The National Renewable Energy Laboratory (NREL) has an interest in advancing the understanding of bulk power wholesale electricity market design issues related to capacity and flexibility in systems that have large amounts of variable generation (VG), mainly wind. NREL commissioned ECCO International, Inc. (ECCO), to study how high penetrations of VG will affect the outcomes of markets and incentives of the various pieces of the wholesale structure (energy, ancillary services, settlements, forward capacity) and what, if any, market design changes can improve incentives to ensure long-term power system reliability and efficiency.
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Executive Summary
The National Renewable Energy Laboratory (NREL) has an interest in advancing the understanding of bulk power wholesale electricity market design issues related to capacity and flexibility in systems that have large amounts of variable generation (VG), mainly wind. NREL commissioned ECCO International, Inc. (ECCO) , to study how high penetrations of VG will affect the outcomes of markets and incentives of the various pieces of the wholesale structure (energy, ancillary services, settlements, forward capacity) and what, if any, market design changes can improve incentives to ensure long-term power system reliability and efficiency.
This project examined the impact of renewable energy sources, which have zero incremental energy costs, on the sustainability of conventional generation. This "missing money" problem refers to market outcomes in which infra-marginal energy revenues in excess of operations and maintenance (O&M) costs are systematically lower than the amortized costs of new entry for a marginal generator. The problem is caused by two related factors: (1) conventional generation is dispatched less, and (2) the price that conventional generation receives for its energy is lower. This lower revenue stream may not be sufficient to cover both the variable and fixed costs of conventional generation. In fact, this study showed that higher wind penetrations in the Electric Reliability Council of Texas (ERCOT) system could cause many conventional generators to become uneconomic.
For continuity, all generator costs used in this paper were obtained from the 2013 U.S. Energy Information Administration report titled Updated Capital Cost Estimates for Utility Scale Electricity Generating Plants. This ensured consistent data. Also, the current ERCOT fleet was constructed throughout many decades, which makes it difficult to compare capital costs, and therefore these results indicate the costs that could be expected if the ERCOT fleet were replaced with new generators of the same type but using the latest advances and technologies.
Two cases were examined: (1) the base case, in which 13% of the energy was met with wind; and (2) the high wind case, in which 30% of the energy was met with wind. An additional 2.2% of the load in the high wind case could have been met with wind, but the energy was curtailed because of network congestion.
Generation was impacted by higher wind production in the following ways:
• Conventional (nuclear, coal, gas) generation was most negatively impacted.
o These units had dramatically reduced energy production, hours on, total revenue, and total profit.
o Conventional generation cleared more spinning reserve, but this is because it produced less energy. This was offset, however, by the large spinning reserve ancillary service price drop in the high wind case, from $8.71/MWh to $4.33/MWh.
o Similarly, overall levelized capital costs rose from $1.2 billion to $1.5 billion per year.
• Overall system-wide generator variable costs dropped because of the reduced production from conventional generators.
o Total system fuel costs dropped from $9.5 billion to $7.6 billion.
o Overall variable O&M costs dropped from $1.4 billion to $1.1 billion.
• The largest impact was on overall system-wide generator revenues and profits.
o Total system-wide revenue dropped from $16.8 billion to $11.4 billion because of the lower locational marginal prices (LMPs) and ancillary service prices.
o Total system profit (revenue -costs) dropped from $2.2 billion to -$2.2 billion, a reduction of $4.4 billion.
o Wind generator revenue increased marginally, from $1.74 billion to $1.82 billion, because of the depressed energy prices. With higher fixed costs, even wind generation lost money in the market in the high wind case. Note that this study did not consider production tax credits or other non-market incentives received by wind generators.
o The magnitude of the generator revenues and profits depends on the market structure. The prevailing market design is based on the marginal cost of production, and therefore it will be significantly impacted by the addition of resources that do not have incremental fuel costs.
o Note that conventional generation capacity in the high wind case was not adjusted. Economic theory is clear that additional generating capacity (wind or conventional) will lower prices and revenues. Further studies could examine the impact of a more optimal generation fleet, in which excess generating capacity would be minimized.
o The observed levels of congestion and curtailment in the high wind case in this study are plausible and should not have an unreasonable impact on the missing money problem. If all congestion and curtailment were eliminated, this would add (on average) slightly more than 1,000 MW of wind generation each hour. This would incrementally depress the average prices, revenues, and profits, but it would not materially change the primary findings. In other words, if additional transmission upgrades materialized, they would reduce the congestion component of the LMP prices and thus somewhat reduce in relative terms the LMP prices and slightly magnify the missing money problem.
This study quantified the impact of increased wind production on conventional generation in the ERCOT system. This missing money in organized electricity markets has the potential to inhibit new construction of conventional generation, which may in turn lead to a less reliable electric power system. 
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Introduction
The National Renewable Energy Laboratory (NREL) retained ECCO International, Inc. (ECCO) , to analyze the "missing money" problem in wholesale energy markets arising from the substantial penetration of variable generation (VG) such as renewable energy resources, especially wind, into the energy mix. Missing money refers to market outcomes in which inframarginal energy revenues in excess of operations and maintenance (O&M) costs are systematically lower than the amortized costs of new entry for a marginal generator. The purpose of this project was to study the impact of wind on the long-term revenue adequacy problem of independent system operator markets and the long-term incentives of resources that are needed to provide capacity and flexibility to the electric power system. A related objective was to propose a set of wholesale market design changes to ensure that revenue adequacy is addressed. NREL actively analyzes bulk power system wholesale market design and performance in the presence of large amounts of wind and solar generation. This work complements and expands upon these efforts.
Wind and solar generation have several characteristics that uniquely impact wholesale power markets. These resources increase the variability and uncertainty on the power system, which requires additional flexibility. The combination of variability, uncertainty, and the near-zero variable cost of renewable energy sources may result in generally lower but more volatile energy prices, higher ancillary service prices, and, depending on the market design, higher forward capacity prices. There is significant interest in the extent to which these changes will impact particular market designs and what, if any, market design modifications will be required to achieve the desired reliable and efficient power system operations.
For this study, ECCO applied its advanced proprietary energy simulation software platform ProMaxLT to the Electric Reliability Council of Texas (ERCOT) market to quantify the missing money problem. Based on prior work, it seems that wholesale energy-only markets may not provide sufficient revenue and certainty to support the new investments in generating capacity necessary to produce the required levels of resource adequacy and reliability. We examined and quantified the extent of this issue at various high levels of VG penetrations. This report provides analytical results about the potential outcomes on profit and revenue of different technologies for the ERCOT market. In addition, it presents quantitative results on the extent to which current market designs provide the opportunity for generating resources to recover both fixed and variable costs and can continue to incentivize resources to contribute to long-term system reliability.
Missing Money Problem
Overview
To analyze the impact of VG, such as wind, on long-term revenue adequacy and the long-term incentives of resources that are needed to provide capacity and flexibility to the electric power system, we focused on a high-penetration renewable supply scenario to illustrate how revenue may or may not achieve adequacy based on the supply mix under current market rules. We defined a base case study and a set of changes with predetermined penetration levels of intermittent supply using the unique software platform ProMaxLT to deploy a full and detailed network model of ERCOT.
Impact of VG
The electricity network can be generally divided into two subsystems: (1) the transmission (or bulk) system and (2) the distribution system. These networks are predominantly distinguished by different voltage levels. The transmission system primarily delivers electricity generated at central stations to locations close to load centers. In North America, the transmission system usually operates at voltage levels from 69 kV to 765 kV, and it is highly interconnected. The transmission system also has significant levels of monitoring, automation, and control.
The distribution system delivers electricity from transmission substations stepped down to lower voltages to customers. The distribution system typically operates at voltage levels ranging from 69 kV to 120 V. It is predominantly radial in structure, and it does not have the same level of automation as the transmission system, although this is changing with the onset of many "smartgrid" initiatives.
The introduction of VG can modify or exacerbate resource adequacy and revenue sufficiency in electric power systems. First, it is important to understand that VG's contribution to resource adequacy is very different than that of conventional generation. Although forced outage rates of an entire collection of wind turbines or photovoltaic cells are very rare and not likely to significantly contribute to their unavailability, these resources can be quite variable because of changing weather patterns. Thus, VG increases the amount of variability and uncertainty on power systems, which can therefore require an increased need for flexibility. Although certain changes to short-term energy and ancillary service markets may be needed to ensure that the flexibility that is available is provided, these changes may not guarantee that sufficient flexibility is built or available in the first place. This could lead to the need for new ways to perform resource adequacy evaluations. Finally, the costs of VG are almost entirely fixed capital costs rather than variable operating costs. This can bring energy prices down while potentially increasing (or keeping constant) the total variable and fixed costs in the power system. This could lead to further reliance on markets or incentives other than the energy market to ensure that the resources needed for long-term reliability can recover both variable and fixed capital costsi.e., the need for capacity markets and revenues increases.
VG increases the variability and uncertainty of the electric power system, reduces spot energy prices, and therefore exacerbates the capacity assurance problem.
Actual experience with operational markets with high penetrations of VG and renewable energy sources indicates that the low marginal costs of these resources substantially decrease market prices and thus reduce the revenue of all suppliers in the energy market. This may add to revenue insufficiency and prevent suppliers from recovering variable and fixed costs. In addition to reducing electricity prices, VG displaces other resources via the merit-order effect, such that capacity factors for other generator types are also reduced. The question is how to ensure revenue sufficiency based on the combination of lower energy prices and lower capacity factors of existing plants. It may be possible that although the majority of prices are being depressed the occasional high-price spikes will increase and help to capture needed revenue. However, this may depend on price caps, market mitigation procedures, and the levels of administratively set scarcity pricing. Finally, the existence and design of forward capacity markets can have a large impact on the level of revenue sufficiency.
In part, this study examined whether there is any measurable impact by VG on the existing missing money problem and, if so, attempted to quantify how much. Wind and solar are two key VG resources that can clearly have a major impact on the missing money problem.
Wind power plants are typically located in areas where wind resources are plentiful and can satisfy certain requirements. Most onshore wind power plants are located in rural areas where the transmission system voltages typically range from 69 kV to 161 kV. The nominal terminal voltages at the wind turbines range from 575 V to 4,160 V, depending on the turbine ratings. The unit transformer at each wind turbine steps up the voltage and feeds power into a collector system that operates at voltages ranging from 12.5 kV to 34.5 kV. The high-side node of the collector system is then connected to the main substation transformer for the wind power plant, which again steps up the voltage to the desired level and connects the wind power plant to the transmission system in the geographical vicinity.
Distributed photovoltaic resources that have inverters produce alternating current (AC) output at the desired voltage. In residential neighborhoods, these connect the residences directly to the utility supply point. Utilities around the country have established standards for these connections to minimize the significant safety risks of the bidirectional flow in existing residential supply circuits if the customer sells power back to the utility. Commercial or utility-scale photovoltaic units have similar interconnection requirements. In most instances, however, they interconnect with the distribution system at slightly higher voltage levels than residential photovoltaic units, depending on their location and ratings.
Central solar thermal resources, on the other hand, have significantly higher ratings and connect to the transmission grid at high voltage levels ranging from 230 kV to 345 kV.
The increased penetration of renewable energy sources is beginning to significantly alter the traditional approach to operation and unit commitment processes. The variability of renewable resources requires measures to accommodate fast generation changes (e.g., from a few seconds to hours during transition periods) and account for sufficient commitment and dispatch of ancillary services to guarantee the reliability of the system in the event that a renewable resource suddenly becomes unavailable-for example, when the wind lightens or stops altogether or previously unanticipated cloud cover appears and significantly reduces photovoltaic output.
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To manage the uncertainty of these resources while making use of their many positive attributes, independent system operators around the world are making changes to their energy and ancillary service markets. At the same time, operators are adjusting to the new realities and becoming adept at monitoring and forecasting weather pattern changes.
Study Description
The following specific tasks were executed during the course of this project.
ECCO prepared base case models for the year 2016 according to ERCOT data available through their planning Web site. 2 It included generation and load data, detailed transmission data, and renewable energy source generation data. As required, these models were augmented with planned changes to the transmission system to match the corresponding study year.
ECCO ran the representative base case and then the change case that contained the generation updates as identified for the renewable assets modeled and agreed to by NREL, as follows:
• Case-1-Base case year
• Case-2-Change case year with 30% penetration of renewables In addition, ECCO analyzed critical data that assisted in leading to a more "fact-based" solution for consideration, including the • ERCOT generation mix by type and age of the generation facilities
• Types of generation suppliers present in the ERCOT market
• Expected growth in load by type and category
• Expected near-term and long-term weather conditions
• Current volume of renewable resources by type and storage technologies by type that are online and planned in the near term and long term
• Houston Ship Channel Index natural gas prices since the inception of the Nodal market
• Historical bid prices from the ERCOT market for all plant types, including wind
• Real-time and day-ahead LMPs since the inception of the nodal market at all ERCOT generation nodes.
To determine the extent of the missing money, we conducted a counterfactual simulation of unit commitment and real-time dispatch that dispatched a generic unit at each of the generation nodes against the historical day-ahead and real-time LMP at that node under the assumption that the unit offered its supply at true marginal cost and, if dispatched, was paid the LMP. The marginal cost was calculated by assuming a specific heat rate and fuel cost set to the Houston Ship Channel Index natural gas price at the time the power was supplied. The annual net income to the generic unit was calculated as a function of heat rate ranging from 7,000 Btu/kWh to 22,000 Btu/kWh in increments of 1,000 Btu/kWh. Start-up and no-load costs were assumed based on industry averages using Energy Information Administration data. These costs were incorporated into the simulation along with a daily make-whole assumption, which reflected ERCOT market rules. The objective of this simulation was to determine the threshold heat rate, if any, at which a unit's net income (under truthful bidding assumptions) would cover the annual costs of new entry, which would then be determined based on data from the Energy Information Administration.
The above simulation studies were repeated under a variety of assumptions regarding load growth, renewable penetration, demand response policies, and variation in LMP patterns as a result of transmission expansion, and the results were analyzed.
Input Data
The following information was obtained from ERCOT's planning website. These were scaled for consistency with more recent annual load forecasts.
2. The network models and contingency constraints were obtained from http://planning.ercot.com/content/28448. 3. The bids were obtained directly from ERCOT via a disclosure request. The real-time bids were used in the market simulations, but the day-ahead bids included in the disclosure were co-optimized with the financial transmission rights market and not suitable for this type of simulation.
4. The unit outage state was also obtained via the disclosure.
Input Data for the High Wind Case
For the study, we assumed that all wind power plants would bid with negative prices.
Wind profiles for new wind power plants in the high wind case were obtained by using NREL's Wind Toolkit. 6 These wind power plants were located in zones according to the latitude and longitude of the facilities provided. The generation profiles were then assigned to 345-kV buses in each zone, as described below and summarized in Table 1. 1. The buses were chosen so that there would be sufficient local network capability to handle their full output without local congestion.
2. Explicit plant sizes were not imposed on these wind power plants, because the maximum values used in the simulations were downloaded from the tool kit.
3. The network model in the high wind case was augmented with planned network additions to accommodate wind resources according to ERCOT's Panhandle Renewable Energy Zone (PREZ) Study Report (2014).
4. The Panhandle stability limit was set to 7,500 MW in the high wind case.
5. Per the Panhandle report, additional 345-kV lines were added to the following locations:
A. Oklaunion-Bowman B. Ogallala-Long Draw C. Windmill-Edith Clarke D. Gray-Riley E. Houston Import Project-a double-circuit 345-kV line from Limestone-Gibbons Creek-Zenith F. Jacksboro-South Clay line-a line being upgraded and reconductored to relieve congestion caused by the competitive renewable energy zone projects. The study also included data for plant costs from the Energy Information Administration. Tie n/a n/a n/a n/a n/a n/a Wind 100 n/a $2,213.00 $39.55 $0.00 $171.29
Modeling Approach
Simulation Model
ECCO used its proprietary energy market simulation software package ProMaxLT 9 to perform the modeling and simulation runs for these studies.
ECCO's ProMaxLT software platform was developed during the course of the last 10 years. It deploys a mixed integer programming-based security constrained unit commitment and an advanced linear programming-based security constrained economic dispatch with a full and detailed transmission network model. The transmission model can have either AC or direct current (DC) power flow, which iterates with the mixed integer programming commitment and dispatch engine to explicitly represent the network constraints and calculate meaningful shadow prices from the dual variables of the binding constraints. Contingency constraints are explicitly enforced using sensitivities derived from the network impedance matrices so that tens of thousands of contingencies can be enforced in the dispatch and their corresponding shadow prices can be calculated.
ECCO used the ProMaxLT day-ahead market simulation platform to compute hourly LMPs for the study scenarios using a full mixed integer programming formulation iterating with the DC power flow in the same manner as performed by the ERCOT day-ahead market clearing process. All transmission constraints were enforced so that curtailment of wind and other plants would occur when insufficient network capacity was available.
Wind Power Plant Model
Wind power plants were modeled as variable plants with zero start-up costs and negative bid prices. Minimum up and down times were not enforced. Hourly wind profiles for the existing plants were obtained from ERCOT's expansion wind data.
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NREL's Wind Toolkit was deployed to create the wind profiles in the high wind case according to the following process:
1. Each potential plant was allocated to a particular ERCOT weather zone according to its latitudinal and longitudinal coordinates.
2. The wind power plants were sorted in descending order of average production.
3. Hourly wind profiles were read for each plant until the desired 30% energy production targets were met.
4. The MW value from the Wind Toolkit was used as the maximum limit for each plant for each interval. These plants were allowed to vary between zero and the maximum obtained from the profile with a bid price of -$25/MWh. This bid price was the most commonly used setting for wind generators with the production tax credit (PTC). Wind power plants were not allowed to participate in the ancillary services market. 
Benchmarking
The benchmarking process is fairly standard across industries. The objective is to calibrate and validate software models by deploying past data and then use the calibrated software to execute various studies. In this project, the objective was to be able to reliably and accurately calculate LMPs for the ERCOT energy market using actual past prices.
Toward that end, ECCO collected the data required, including the published LMP data from ERCOT market runs along with historical bids and publicly available offer data. Based on past experience, the bidding process of market participants can be simulated in two ways:
1. Use marginal-based bids and offers (heat rate times spot fuel price) for the generating units participating in the market.
2. Use historical bids and publicly available offers.
In most markets, it has been our observation that participants do not bid marginal-based offers; however, we needed to verify whether this is valid for ERCOT. Thus, ECCO executed the first option, and if the results were not acceptable, ECCO executed the second option as well.
Description
Prior to performing the analysis, benchmarking was performed to ensure that the results provided a realistic and plausible simulation of nodal prices in the ERCOT market. Actual historical 2013 loads were used with real-time bids and unit outage statuses obtained via the public disclosure process.
The primary measure of the benchmarking exercise is the cleared hub prices for the simulated and actual cases. A complete 8,760-hour simulation was performed for all of 2013 using actual loads and real-time bids downloaded from the ERCOT Web site. Benchmarking was performed by comparing the simulated hub prices to the historical hub prices provided on the site.
Issues
The benchmarking process using the first option (i.e., heat rate times fuel price and heuristically generated outage schedules) did not yield sufficiently accurate comparisons between the simulated and actual results. We believe these differences were because of the following:
1. As expected, based on a review of actual bid and offer data for the ERCOT day-ahead market, it was observed that ERCOT market participants do not normally bid on heat rate times the spot fuel price. Market participants typically have long-term fuel supply contracts that dictate the prices they would pay for fuel, and therefore their bidding behavior is not always driven by the spot fuel price. The terms of these fuel supply contracts are generally confidential. This observation is consistent with our conclusions about other markets.
2. ERCOT market participants can utilize bilateral contracts with load-serving entities that govern the actual price paid for energy. These market participants often bid lower prices to make sure that their contract position clears.
3. Unit outage schedules can substantially influence simulated prices. If historical outage schedules are not available, then these schedules need to be generated manually or by some other automated heuristic process. In benchmarking, this can lead to substantial differences between the simulated and actual prices.
Adjustments
To address these difficulties with price benchmarking, ECCO executed the second option. Toward that end, actual historical bids and offers and associated outage schedules were obtained via a disclosure request to ERCOT, which provided the entire set of 2013 real-time and dayahead bids and outage schedules. These data were used in the simulations in this study.
ECCO deployed the available historic bids and offers and mapped them through reverse engineering onto the ERCOT transmission grid and backcasted the ERCOT market runs to predict and match the resulting LMPs to the actual published LMPs.
Sample Results
The sections below provide samples illustrating the results obtained during the benchmarking process using the second option. Figure 3 illustrates the results of the benchmarking calculations for the West hub prices as a price duration curve. This graph is a cumulative probability distribution of the simulated and historical hub prices. 
Price Duration Curves
Hourly Price Comparisons
In addition to the price duration curves, a comparison was performed of ERCOT hub prices to the actual real-time prices recorded in the market for selected days that were simulated. The purpose of this comparison was to ensure that the simulation results for the ERCOT hub prices were within an acceptable tolerance of the historical values of the ERCOT hub prices.
Figure 4 through Figure 7 show both the historical price curves and the simulation results for the major hub prices. 
Hub Prices
Average Hourly Hub Prices
In the base case, the prices rose during the peak afternoon hours, as shown in Figure 8 . The four hub prices were nearly the same, which indicates that there was not a significant amount of congestion in the base case. The congestion that did exist moved the West hub prices down slightly. Figure 9 shows the average hourly prices for the high wind case. The peak LMPs also occurred during the late afternoon hours, as they did in the base case. The average LMPs, however, dropped for all hours. In addition, there was some spread between the hubs, and the West and North hubs had the lowest prices. The primary load centers were located in the South and Houston hubs, which experienced higher prices. This was caused by the additional wind generation, which was sited primarily in the North and West regions of the system. This resulted in network congestion, which lowered the LMPs of North and West hubs. Figure 10 shows a direct comparison of the average hub price for the base case and the high wind case. The high wind case had lower average LMPs during all hours, but the price drop was the greatest during the peak afternoon hours (HE15-HE 18). The additional production from the wind generation reduced the net load to be served by conventional generation. This resulted in fewer price spikes during the hours of generation capacity shortage. Figure 11 through Figure 13 show the average monthly LMPs for the base case and the high wind case. Figure 11 shows that the highest LMPs occurred during July. This is consistent with the summer-peaking load of ERCOT. Figure 12 shows that the LMP spikes experienced in the base case were reduced in the high wind case. This is the result of the reduced net load during the peak summer months, which must be met with conventional generation.
Average Monthly Hub Prices
The lowest prices occurred in the West and North regions because of the increase amount of wind generation. The South and Houston hubs had higher average prices because of the network congestion between the wind generation and the major load centers. To better compare the results, Figure 13 shows the average hub prices plotted together. The price drop in the high wind case was most pronounced during the peak summer months. In addition, the prices were consistently lower in the high wind case than they were in the base case, except in October. It turns out that approximately $4/MWh can be attributed to a capacity shortage in one single hour: HE17 on October 4, 2016. During this hour, system-wide prices for energy and spinning reserve rose from approximately $140/MWh to nearly $3,000/MWh. Because this did not occur in the base case, this price spike can be attributed to the interaction of the higher wind variability and constraints related to conventional generation commitments. 
Generator Results
This section discusses the important generator results. First, the cost assumptions for the various generator types are presented. Next, the actual cost components that comprise the total generator costs are itemized-these include fuel costs, variable O&M costs, fixed O&M costs, and levelized capital costs. Finally, the generator revenues and profits are summarized by fuel type, and results from a comparison of the base case to the high wind case are presented.
Generator Costs Breakdown
This project utilized publicly-available data. Generator cost data is considered proprietary and was not shared publicly by either ERCOT or the market participants. Therefore, in the absence of Table 3 summarizes the data used for the ERCOT generating plants.
Using a common set of data improves consistency, but it also does not completely reflect the economics of the current generator fleet. The ERCOT generation fleet was constructed throughout many decades, and it includes generator types (e.g., natural gas boilers) that have been supplanted by newer technologies (e.g., combined-cycle plants). Therefore, these results indicate the costs that could be expected if the ERCOT fleet were replaced with new generators of the same type but using the latest advances and technologies. These simplifying assumptions may have impacted the absolute value of the generator revenues and profitability, but they had a smaller impact on the relative cost differences between the study scenarios. Note the following about the values in the table above. First, the capital costs were decreased by 7%, because the cost of construction in Texas is lower, according to the same Energy Information Administration report. In addition, the levelized capital costs were computed by taking the entire capital cost and assuming a 30-year recovery period, with 6.6% value of money.
Using the input data shown in Table 3 , ProMaxLT simulated generated generator costs for the base case, as shown in Table 4 . Grand Total 83,267 9,547,611,655 1,420,412,425 2,379,784,139 1,199,500,187 14,665,929,390 By comparing Table 4 to Table 5 , the following can be noted:
1. Total system fuel costs in the high wind case dropped from $9.5 billion to $7.6 billion. This is because of the increased amount of wind production, which has no fuel cost.
2. For similar reasons, overall variable O&M dropped, from $1.4 billion to $1.1 billion. Conventional generation ran less, so there was less wear-and-tear on the machines. Wind generators did not have any assigned variable O&M.
3. Fixed O&M increased, however, because there were now more wind generators to maintain. Overall fixed O&M costs rose from $2.4 billion to $3.2 billion.
4. Similarly, overall levelized capital costs rose, from $1.2 billion to $1.5 billion, because of the increased number of wind generators. The number of conventional generators did not change between the base case and the high wind case.
5. An additional 21,000 MW of wind capacity was added to the high wind case. Astrape Consulting recently published a study for ERCOT on the planning reserve margin for 2016. 12 They determined a wind capacity factor of 56% for coastal wind and 12% for non-coastal wind. Given that this study used non-coastal wind, it would have a capacity value of 12% * 21,000 = 2,520 MW, based on the current ERCOT planning parameters. Table 6 through Table 8 show a comparison of the generator revenues and profits for the base case and the high wind case. By comparing Table 6 to Table 7 , the following can be noted:
Generator Profits
1. Conventional generation capacity stayed the same, and there was 21,000 MW of additional wind capacity. The new wind generators were aggregated and located in the North and West regions of the ERCOT system. They were put on the bulk high-voltage portion of the grid, because it is reasonable to assume that the necessary sub-transmission system in the North and West will be built up to support new wind generation. Therefore, it was most important to capture the impact on the bulk transmission system from these remote areas to the Texas load pockets of Dallas, Austin, and Houston.
2. Total system-wide revenue dropped from $16.8 billion to $11.4 billion because of the lower LMPs and ancillary service prices.
A. Generator total revenues were generated by both energy and spinning reserve products.
B. Note that the wind revenue increased only from $1.74 billion to $1.82 billion because of the depressed energy prices.
3. Total costs also dropped, from $14.7 billion to $13.6 billion. As discussed above, this was caused by lower fuel costs and variable O&M costs. Higher fixed O&M costs and capital costs counteracted some of these reductions.
4. Total system profit (revenue -costs) dropped from $2.2 billion to -$2.2 billion, a reduction of $4.4 billion. This clearly demonstrates that adding too much wind generation to a system will cause dramatically lower revenues (if all else is even). Even the wind generators lost money in the high wind case. Note that wind generators receive production tax credits of $22/MWh, which will change their overall economics.
5. Total wind production increased from 52 TWh to 119 TWh. Note that this is the amount of delivered wind energy, because a non-trivial amount of wind was curtailed by the system. The exact wind curtailment is presented in Section 6.3.
6. Average generator LMP dropped from $41.17 in the base case to $27.93 in the high wind case. This drove lower generator revenues, which then resulted in reduced profitability for the generator fleet.
7. The magnitude of the generator revenues and profits depends on the market structure. The prevailing market design is based on the marginal costs of production, and therefore they will be significantly impacted by the addition of resources that do not have incremental fuel costs.
8. Note that conventional generation capacity in the high wind case was not adjusted. Economic theory is clear that the addition of generating capacity (wind or conventional) will lower prices and revenues. Further studies could examine the impact of a more optimal generation fleet, in which excess generating capacity would be minimized. Table 8 shows the percentage change in results from a comparison of Table 6 to Table 7 . Red values indicate a drop in the results from the high wind case, whereas green values indicate an increase in the results from the high wind case. Note the following:
1. Conventional (nuclear, coal, gas) generation was most negatively impacted, including in the areas of energy production, hours on, total revenue, and total profit.
2. Conventional generators cleared more spinning reserve, but this is because they were producing less energy and had more unloaded capacity. However, this additional of available spinning reserve caused the average spin price to drop from $8.71/MWh in the base case to $4.33/MWh in the high wind case (not shown in table) . This is consistent with the basic market fundamentals that prices drop when supplies increase, and demand remained constant. Therefore, conventional generators produced less energy and faced lower spinning reserve prices because of the system surplus of spin capacity.
3. Hydro showed a modest increase in production (45.6%), but hydro is a very small player in ERCOT. In the studies, hydro averaged less than 1MW production each hour, although it did provide some additional spinning reserve.
4. Wind production was up 127.2%, but wind revenue increased only 4.8%. With the additional wind generator costs, this resulted in a market loss (negative profit) for the wind generators. Wind generators also have non-market revenue streams, however, which would likely make them profitable. For example, since 1992 there has been a federal production tax credit of $22/MWh for wind generation.
Wind Curtailment
This section summarizes the amount of wind curtailment. Table 9 and Table 10 summarize the top 10 curtailed wind resources in the base case and the high wind case and show the total for all wind power plants. Note that the total wind curtailment increased from 0.356 TWh to 9.193 TWh. This is an increase of more than 25 times. However, 9.193 TWh of curtailed wind compared favorably to 118.9 TWh of delivered wind generation in the high wind case. In the high wind case, 7.2% of the potential wind production was curtailed. This would have been higher, except that the network was built out as proposed in the ERCOT transmission planning studies.
The top two curtailed generators in the high wind case were the aggregated generators created to accommodate higher levels of wind penetration. Figure 14 shows how the curtailed MWh vary during the 12 months of the study. The increase in curtailment in December was mostly likely caused by the increase in wind production, which was obtained from NREL's Wind Toolkit. 
Binding Constraints
This study deployed a full and detailed network model that allowed the results to capture the impacts of the transmission constraints. As described above in Section 3.2, the network model was augmented with additional lines per the ERCOT planning study. Table 11 and Table 12 summarize the top 20 binding constraints in the base case and the high wind case. To capture only strongly binding constraints, a shadow price (dual) cutoff of $100/MW was enforced. Because of the higher amount of wind generation in remote locations, more congestion was experienced in the high wind case. Overall, the number of binding constraints with a shadow price > $100 increased from 1,249 constraint hours to 16,035 constraint hours.
The dominant constraint in both cases was the post-contingent constraint CHAD4A (6325)-BALG4A (6340) 1 OUT L_006442SARC4A-006458CRM24AC1. In the base case, it bound in 715 hours. In the high wind case, it bound in 2,538 hours.
At a high-level, the impact of the transmission system had the expected impact on the simulation results.
• In the base case, congestion was minimal (Table 11 ). Hub prices were nearly identical, which indicates that there was very little intra-zonal congestion (Figure 8 ).
• In the high wind case, there was significantly more congestion (Table 12 ).
• There was a differential in the hub prices ( Figure 9 ). The lower prices were experienced in the North and West hubs, which is where the new wind generation was sited.
• The amount of curtailment was 7.2% of the total potential wind production (high wind case), which indicates that there was congestion between the wind generation and the main load regions, but also that it was not overly excessive at this wind penetration level.
• The observed levels of congestion and curtailment in the high wind case in this study are plausible, and they should not have an unreasonable impact on the missing money problem. If all congestion and curtailment were eliminated, this would add (on average) slightly more than 1,000 MW of wind generation each hour. This would incrementally depress the average prices, revenues, and profits, but it would not materially change the primary findings.
Conclusion
This project examined the impact of renewable energy sources, which have zero incremental energy costs, on the sustainability of conventional generation. This missing money problem is caused by two related factors: (1) conventional generation is dispatched less, and (2) the prices that conventional forms of generation receive for its energy are lower. This lower revenue stream may not be sufficient to cover both its variable and fixed costs. In fact, this study showed that higher wind penetrations in the ERCOT system could cause many conventional generators to become uneconomic.
For continuity, all generator costs used in this paper were obtained from the 2013 U.S. Energy Information Administration report titled Updated Capital Cost Estimates for Utility Scale Electricity Generating Plants. This ensured that any inconsistencies in the data could be eliminated. Also, the current ERCOT fleet was constructed throughout many decades, which makes it difficult to compare capital costs, and therefore these results indicate the costs that could be expected if the ERCOT fleet were replaced with new generators of the same type but using the latest advances and technologies.
The ERCOT base case simulation was reasonable based on recent performance. Specifically:
• The average generator LMP was $41.17.
• LMPs increased during peak afternoon hours and during peak summer months.
• With the current network build out, there was little congestion with the current levels of wind production.
The high wind case also resulted in reasonable metrics:
• The average generator LMP dropped to $27.93.
• When compared to the base case, prices were depressed across almost all hours and seasons because of the increased amount of wind generation with no marginal costs.
• Congestion in the network resulted in lower hub prices in the West and North. Load centers in the South and Houston saw relatively higher prices.
Because of the higher amount of wind generation in remote locations, more congestion was experienced in the high wind case. Overall, the number of binding constraints with a shadow price > $100 increased from 1,249 constraint hours in the base case to 16,035 constraint hours in the high wind case.
• Conventional (nuclear, coal, gas) generation was most negatively impacted. These units had dramatically reduced energy production, hours on, total revenue, and total profit.
• Overall system-wide generator fixed costs increased, because additional wind generators were being built and maintained.
o Overall fixed O&M costs rose from $2.4 billion to $3.2 billion.
• The largest impact was on overall system-wide generator revenues and profits o Total system-wide revenue dropped from $16.8 billion to $11.4 billion because of the lower LMPs and ancillary service prices.
o Wind generator revenue increased marginally, from $1.74 billion to $1.82 billion, because of the depressed energy prices. With higher fixed costs, even wind generation lost money in the market in the high wind case. Note that wind generators receive non-market production tax credits, which will improve their financial viability.
o The magnitude of the generator revenues and profits depends on the market structure. The prevailing market design is based on the marginal costs of production, and therefore it will be significantly impacted by the addition of resources that do not have incremental fuel costs.
o The observed levels of congestion and curtailment in the high wind case in this study are plausible and should not have an unreasonable impact on the missing money problem. If all congestion and curtailment were eliminated, this would add (on average) slightly more than 1,000 MW of wind generation each hour. This would incrementally depress the average prices, revenues, and profits, but it would not materially change the primary findings.
This study quantified the impact of increased wind production on conventional generation in the ERCOT system. This missing money in organized electricity markets has the potential to inhibit new construction of conventional generation, which may in turn lead to a less reliable electric power system.
